This paper describes a workflow that fully utilizes the pre-stack and post-stack seismic attributes to derive reliable geologic and fracture models that are validated by multiple blind wells and reservoir simulation. The first step in the workflow is to run post-stack seismic processes, which includes post-stack inversion and spectral imaging. The second step consists of applying a pre-stack seismic process called elastic inversion which will lead to various key seismic properties that provide good discrimination between reservoir facies. The third step consists of using the various post-stack and pre-stack seismic cubes to derive 3D geologic and fracture models. The fourth step is to use the derived models in a reservoir simulator to verify the validity of the models.
Introduction
The simulation of fractured reservoirs remains a challenging task for most E&P companies. The main difficulty when simulating these reservoirs continues to be the characterization of the flow properties of the fractures at a reservoir simulation scale. Most of the current fractured reservoir models use transmissibility multipliers around the wells to improve the match of the well performances. Unfortunately, the use of local transmissibility multipliers reduces the predictive capabilities of the models since these changes are usually arbitrary and are not strongly supported by geologic and/or geophysical information. Since most of the data (logs and/or cores) that could provide an indication on the density of the fractures are available at a centimeter scale and the reservoir simulation gridblocks are tens of meters wide and few meters high, the estimation of reservoir simulation scale permeabilities poses a major problem for most users. This problem is divided into two sub-problems: 1) how to distribute the centimeter scale fracture density information available at the wells in the 3D reservoir volume, and 2) how to turn these 3D fracture distributions into fracture flow properties computed at a reservoir simulation scale. These two issues are addressed simultaneously using the robust and proven workflow available in Continuous Fracture Modeling (CFM). The solutions provided by the CFM approach are illustrated with a complex fractured carbonate field in offshore Tunisia where a detailed fracture density model was built in 3D and used to estimate reservoir scale permeabilities that match most of the well performances.
A Complex Fractured Carbonate Field Offshore Tunisia
The studied field is a NW-SE extending elongated faulted anticlinal structure ( Fig. 1 ) that produces oil from the El Gueria limestone formation. The reservoir facies (nummulitic limestone) is about 70m thick in the central part of the field, but it rapidly deteriorates to poor reservoir quality rock along the north, northwest, and southeast flanks of the structure. The field was discovered in the early 1970s, and it produced under primary recovery until the mid 1970s, when water injection was initiated. Platforms are used to produce the oil from a large number of wells. The reservoir produces from the matrix, which has its permeability enhanced by fractures. The reservoir behaves as a single porosity system, where the storage is in the matrix and the permeability of the matrix is enhanced by fractures in some places.
A 3D seismic survey was shot in the late 1990s. The 3D seismic consists of 678 inlines with a spacing of 25m and 2779 crosslines with a spacing of 12.5m. The processing of the seismic produced the usual post-stack seismic cube sampled at 2ms as well as three stacks: a near-angle stack (0˚-15˚ angles), a mid-angle stack (15˚-30˚) and a far-angle stack (25˚-40˚). Six wells had shear sonic logs, which is necessary for the elastic inversion that provides some of the key seismic attributes used in the described workflow.
Workflow-Overview
The first step in the workflow is to interpret the horizons and faults. Using the key horizons and all of the faults, a structural framework is built in the time domain. The second step consists of generating post-stack seismic attributes through the use of post-stack seismic inversion and spectral imaging. The third step consists of using pre-stack elastic inversion to generate the basic pre-stack attributes, Vp, Vs, density as well as the subsequent elastic properties such as Rigidity (Mu) and Incompressibility (Lambda). The various 3D seismic cubes are depth converted and used to derive 3D geologic and fracture models which are validated with a large number of blind wells. The fourth step is to use the derived models in a reservoir simulator to verify the validity of the models and to design reservoir management strategies to optimize recovery. The details of this workflow are described in the next sections.
Geophysical Modeling
The use of seismic data in reservoir modeling involves structural interpretation, seismic-well ties, high-resolution post-stack and pre-stack inversions, and spectral imaging. The key to successful use of seismic attributes in reservoir modeling is to generate attributes that are related to rock and fluid properties. When using the post-stack seismic, the two most useful processes that can be applied to the seismic data are high-resolution post-stack inversion and spectral imaging.
Spectral imaging is a process that allows the examination of the seismic data in specific frequency ranges. The resulting seismic attributes are frequency dependent or represents statistical properties that describe the behavior of the seismic power spectrum at different frequencies. Many of the seismic attributes derived from spectral imaging reflect variations in fluid and rock properties but they remain rarely used in reservoir modeling unlike the seismic attributes derived from post-stack seismic inversion.
The post-stack seismic inversion produces acoustic impedance (the product of velocity and density). The highresolution post-stack impedance is the result of a combination of the log and seismic data. In this project, many wells had sonic logs and could be used in the inversion workflow. The inversion process starts by tieing the well data with the seismic, and using the resulting time-domain impedance log data, along with a structural framework created from the seismic horizons and faults, to populate the impedance values within the a priori model. The inversion process will update this initial model, so synthetic traces generated from the model best match the seismic traces. Like most of the carbonate fields, there is a strong correlation between the impedance and the porosity, which could be used when modeling the porosity. However, the availaibility of pre-stack data and shear logs could be used in elastic inversion that could provide more than just an acoustic impedance derived from the post-stack inversion.
When working with pre-stack seismic data, many processes could be applied to derive very useful seismic attributes. The most common of these processes are the Amplitude Versus Offset (AVO), Amplitude Versus Azimuth (AVAZ), and Elastic Inversion. Although AVO and AVAZ are very useful pre-stack processes, their use poses many problems since the anomalies observed could be related to a multitude of factors that are not easy to distinguish. On the other hand, Elastic Inversion provides the means to derive rock elastic properties that could play a major role in reservoir characterization.
Unlike post-stack seismic inversion that requires only compressional sonic logs at the wells, elastic inversion 1 also requires shear sonic logs. Using both compressional and shear sonic logs, well ties can be done and the various elastic inversion algorithms are able to provide three key seismic attributes: compressional velocity (Vp), shear velocity (Vs), and density (Rho). These seismic attributes by themelves are very useful since the plotting of acoustic impedance (Zp, which is the product of Vp and Rho) versus shear impedance (Zs, which is the product of Vs and Rho) shows in many situations, the capabilities for discriminating lithologies and fluids 2 . However, the separation between lithologies and fluids is better reflected through the use of the Rigidity (Mu) and Incompressibility (Lambda). Elastic inversion also provides two additional attributes 2 , MuRho, which is the square of the shear impedance (Zs 2 ) and Lambda Rho ( which is equal to Zp 2 -2 Zs 2 ). Both of these attributes have shown an improved resolving power that allows a better discrimination of lithologies and fluids. Other techniques 3 allow the derivation of new attributes that combines the elastic properties in different ways and provide a better separation of lithologies and fluids. For example, in the studied field when plotting the gamma ray log (GR) versus the shear velocity (Vs), one can see very distinct regions showing different rock types (Fig. 2) .
Although all of these pre-stack seismic attributes were derived by applying simple cut-off values, one can directly extract from them the 3D distribution of key reservoir facies; their usefulness goes beyond the ability to distinguish between a reservoir facies filled with hydrocarbon and another one that has no pay. Since all of these seismic attributes are continuous properties available in the 3D reservoir model, they can be used quantitatively in reservoir characterization to build geologic and fracture models. Given the ability of these pre-stack attributes to distinguish between key reservoir facies, they represent some of the best drivers that could be put into the CFM workflow and the seismically-constrained sequential geologic modeling.
Sequential Geologic Modeling
The considered carbonate reservoir exhibits strong lateral and vertical heterogeneities; consequently, building accurate 3D models of any petrophysical property is a very challenging exercise. The post-stack and pre-stack 3D seismic attribute volumes are used to provide data in the inter-well regions to generate more reliable petrophysical models.
Given the availability of a large number of seismic attributes, the geologic modeling can be done in two different ways. One simple way is to use a geostatistical method, such as collocated co-kriging, to incorporate one soft dataset. Unfortunately, such methods cannot use all the seismic attributes simultaneously. Given that many seismic attributes contain valuable geologic information and could be very beneficial to include as a constraint when estimating geologic attributes, the use of a neural network approach is more appropriate. In this project, a sequential geologic modeling approach developed by Prism Seismic is used to estimate various geologic models.
The sequential modeling approach uses multiple seismic attributes as a building block to estimate dependent petrophysical properties such as facies, gamma ray, porosity, water saturation, and permeability in a sequential manner. The sequential method first identifies the reservoir property that has the potential to be the primary property controlling most of the other subsequent reservoir properties. In this study, the facies was chosen as the primary reservoir property. Thus, the first geologic model built using a neural network approach will be a facies model constrained by multiple seismic attributes. The input at the wells is the facies logs where the rock was divided into four (4) facies. The constraints are the multiple seismic attributes available in the geocellular grid. The neural network will attempt to find a relationship between the facies at the wells and the seismic attributes also available at the wells. Once this relationship is found, it is applied to every cell of the grid to create a 3D facies model (Fig. 3) . In the considered project, only one third of the wells are used to build the facies model and the other two thirds of the wells are used as blind wells for validating the derived facies model. The ability to use very few wells in the modeling and keep most of the wells as blind wells is the result of the use of key pre-stack seismic attributes that provides a direct indication of the facies. The facies model that provides the best prediction at two thirds of the blind wells will be considered as the best facies model. This facies model can subsequently be used to estimate a secondary reservoir property.
The secondary reservoir property in this study is gamma ray, which is available at many wells. In estimating the gamma ray, one can use the newly created facies model in addition to the available seismic attributes. As a result, the gamma ray model (Fig. 4) is constrained by seismic attributes and the newly derived facies model. This process could similarly estimate all the subsequent reservoir properties, including the matrix porosity (Fig. 5) and permeability (Fig. 6) . However, given the presence of fractures in this reservoir, the modeling of permeability requires some additional considerations since the matrix porosity and permeability are enhanced by the fractures.
Continuous Fracture Modeling (CFM)
The CFM approach 4-7 is a fracture modeling technique that has been proven with blind wells, actual drilling and reservoir simulation results given its ability to predict fracture density at undrilled locations and do so with the required vertical resolution of 2-3 meters. This unique characteristic of the CFM approach comes from its ability to truly integrate geophysical, geologic and engineering information in building the fracture models. The extensive use of key seismic attributes in the CFM approach guarantees the availability of inter-well information, which is critical in predicting the fractures. While most of the current efforts in using seismic data in fracture modeling are focusing on the use of azimuthal anisotropy (derived from a wide-azimuth or multi-component survey), the CFM approach provides the unique opportunity to use any seismic attribute, including, if available, those derived from azimuthal anisotropy 8 .
The CFM approach does not attempt to extract fracture information from the seismic data itself, but rather uses the seismic data to estimate attributes that have geologic meaning and represent fracture drivers that control where fracturing occurs. It is common knowledge that lithology, structure, proximity to faults, and other geological factors control the location and intensity of fracturing in the reservoir. Most of these fracture drivers can be identified not just from wellbore data, but also from seismic data.
Typical geological drivers include facies types, porosity, and distance to faults. For all these geologic drivers, specific seismic workflows lead to accurate seismic attributes that could provide a very good description of these geologic drivers, which are by their nature available in the 3D reservoir volume. For example, volumetric curvature 9 not only allows the imaging of the faults of different scales in great detail, but also provides various key structural drivers to the CFM approach that are far superior to anything available in the past from simple surface curvature methods. It is also very common, especially in carbonate reservoirs, to estimate the impedance derived from poststack seismic inversion since it is usually well correlated with porosity, which is a common fracture driver. Other post-stack processes, such as spectral imaging, provide a plethora of seismic attributes that play a major role in any fracture modeling effort. The use of various post-stack seismic attributes has been extensively used to solve a wide variety of practical problems encountered in complex fractured reservoirs [10] [11] [12] [13] [14] . In the considered field, the derived post-stack and pre-stack seismic attributes, along with the previously derived geologic models, will be used as drivers to estimate the distribution of fracture frequency that will be used to derive the reservoir simulation scale permeability.
The estimation of reservoir scale permeability is accomplished in the CFM model in two steps using the REFRACT TM software. The first step involves the use of the fracture frequency computed at the wells and the geologic, geophysical and geomechanical drivers available in the 3D reservoir volume. The second step is to use the derived fracture frequency models and well test data to calibrate the models so that they have the correct magnitude corresponding to the reservoir scale permeability.
In the first step, the CFM model uses the fracture frequency available at the wells and all the geophysical, geologic drivers derived in the geophysical modeling and the sequential geologic modeling. In the case of this project, the estimation of the fracture frequency model used many pre-stack and post-stack seismic attributes, along with all the derived geologic models including facies, gamma ray, porosity and permeability. In addition to the geophysical and geologic drivers, the estimation of the fracture frequency uses geomechanical drivers such as slopes and curvatures. All of these drivers are available in 3D as geocellular models. Many fracture frequency realizations were generated, and blind wells were used to select the best ones (Fig. 7) . The fracture frequency models were also validated by examining the resulting fracture directions at different layers and comparing these directions (Fig.  8) to the known fracture directions available from the wells. Since the CFM approach does not use fracture directions as input, the ability of the derived CFM models to honor the known fracture directions adds validity and confidence to the derived fracture models.
Since the geocellular grids are made of cells that are 100m x 100m in the X and Y directions, and the reservoir scale permeability must account for the effects of fractures, the fracture frequency models require a calibration to the well test data to capture the large-scale effects due to both the fractures and the grid block size. The calibration approach available in REFRACT TM uses the well test data to calibrate the fracture frequency at the wells and transform them into reservoir scale permeability. These calibrated reservoir scale permeability logs have now captured the large scale effects, and are used as input to a new REFRACT TM project. The drivers that will be used in this new project are the previously generated models of fracture frequency. The CFM approach is used once more to estimate the calibrated permeability in 3D using the calibrated permeability at the wells and the generated multiple realizations of fracture frequencies. The resulting reservoir scale permeability models (Fig. 9) .
are used as input in a reservoir simulator, and the model that best matches the well performances will be used for further modeling.
Model Validation in a Reservoir Simulator
The final matrix porosity model estimated from the sequential geologic modeling and the resulting best reservoir scale permeability derived in the CFM approach was used in Eclipse TM in a single porosity/single permeability system. The PVT and flow functions were added to the simulation input and thirty-five years of production history was simulated. In the thirty-five years of history, the reservoir has undergone both primary production and water injection. The validation of a model is achieved when a majority of the individual well performances are matched without the need for any history matching.
Out of the 43 wells, 34 wells (or 80%) of them have their pressure and water-cut matched within reasonable tolerances (Fig. 10) without any history matching. These matches include the difficult-to-match water-cut that was able to capture the water breakthrough. Four of the wells have an average match and five wells have a poor match. The good match of 80% of the wells confirms the ability of the derived model to account for the complex fracture network.
Conclusions
This study produced the following conclusions.
1. The use of post-stack and pre-stack seismic attributes derived from spectral imaging, post-stack inversion and elastic inversion could provide the necessary seismic attributes needed to accurately characterize a complex fractured carbonate reservoir. 2. Seismically constrained geologic models, such as facies, and matrix porosity could be accurately estimated by using multiple seismic attributes. 3. The validation with many blind wells shows that continuous fracture models generated in REFRACT using a fracture frequency at the wells and a multitude of geologic, geophysical and geomechanical drivers could provide an accurate description of the fracture network. 4. The fracture frequency models were successfully calibrated with well test data to provide the reservoir permeability needed for the dynamic model. 5. The dynamic model was able to watch the individual well performances at 80% of the wells without any history matching. 
